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Abstract 
The purpose of this modelling study is to investigate the combined contributions of CO2-IGR and CO2 storage in a nearly 
depleted gas-condensate reservoir, Taiwan. The estimation of the storage potential of a depleted gas condensate reservoir, the 
evaluation of the economic benefits from the CO2-improved gas recover (IGR), and the determination of the best operating 
strategy for maximizing economic benefits were studied. 
After the CO2 mixed with the natural gas, the two-phase envelope shrinkage was noticed in the Pressure-Temperature (P-T) 
diagram for CO2-IGR phase in the reservoir. The mechanisms of CO2 displacement and condensate revaporization contributed to 
the gas recovery. Due to the gravity, the stored CO2 sank to the bottom of the gas cap; consequently, and the injected CO2 can be 
stored permanently. The best economic scenario for this case study, which had the highest net present value (NPV) of US $18.7 
million, was to use one down-dip injection well with an injection rate of 30,000 standard cubic meters (SCM)/day and a discount 
rate of 10%. The analysis of the principal components of the economic assessment showed that the benefit of CO2-IGR was 
highly sensitive to the cost of CO2 capture, and that the carbon tax incentive had a positive effect on the economic benefit of the 
Carbon Capture, Utilization, and Storage (CCUS) method. 
© 2013 The Authors. Published by Elsevier Ltd. 
Selection and peer-review under responsibility of GHGT. 
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1. Introduction 
Climate change can be mitigated by using the Carbon Capture, Utilization, and Storage (CCUS) method. In which, 
geological sequestration is one way of reducing the atmospheric concentration of CO2 from anthropogenic emissions. 
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CO2 is captured from the emissions stream, compressed, transported to an injection site and then stored permanently 
underground [1-3]. Injecting and storing CO2 in depleted reservoirs is one option for CO2 geological sequestration 
because of its capacity and the relatively mature technology [4-5]. Many CCUS projects are currently underway. By 
comparing to aquifer storage, injecting CO2 into depleted reservoirs was more attractive than other options for 
improved oil and gas recovery with additional revenue. 
A gas condensate reservoir is a candidate for injecting CO2 for simultaneously improving gas (i.e., gas and 
condensate) recovery and storage. A gas condensate reservoir is characterized by a retrograde condensate component 
and its properties. Condensate is formed when the pressure is lower than dew-point pressure during depletion. 
Generally, the low condensate saturation in the reservoir is neither mobile nor recoverable. Condensate formed near 
the wellbore lowers gas mobility and even chokes well output; i.e., it reduces gas recovery. To improve the recovery 
of gas and condensate, gas cycling is used to displace the gas phase and force retrograde revaporized condensate to 
maintain pressure above or near dew-point pressure. However, because of the high cost of natural gas and 
compression requirements, most depleted gas condensate reservoirs still contain retrograde liquid at the end of 
primary production. Recently, an economical use of captured CO2 is to inject it into a nearly depleted gas condensate 
reservoir, not only to store the anthropogenic CO2 but also to improve gas recovery (i.e., CO2-improved gas recovery 
[IGR]). 
The properties (for example, the saturation pressure, liquid dropout, z-factor, density, viscosity, etc.) and 
performance of CO2-IGR changed with various mixtures of CO2 and the gas was studied in relative Pressure-
Volume-Temperature (PVT) experiments and core flooding tests [6-10]. The two-phase envelope shrank in the 
Pressure-Temperature (P-T) phase diagram after the CO2 mixed with the gas in the reservoir [6, 10]. The injected 
CO2 not only supported the reservoir pressure, but also increased the saturation pressure (to lower liquid dropout) by 
revaporization. CO2 displacement results in better mobility ratios, which causes a delayed breakthrough and a 
favorable sweep efficiency to improved gas and condensate recovery [10-12]. The mechanisms of CO2 displacement 
and condensate revaporization contributed to the gas and condensate recovery. 
This was a modeling study to investigate the combined contributions of CO2-IGR and CO2 storage in a nearly 
depleted gas-condensate reservoir in Taiwan, and to estimate its storage potential to evaluate the economic benefits 
from the CO2-IGR, and to determine the best operating strategy for maximizing economic benefits. 
2. Methodology 
A commercial numerical reservoir simulator, which was a fully coupled geochemical equation-of-state (EOS) 
model (GEM) [13], was used. 
The geological model was developed by dividing the structure into grids. The formation parameters, fluid 
pressure-volume-temperature (PVT) data, relative permeability curves, formation pressure gradients, and formation 
water and rock mineral compositions were sequentially assigned to each grid block. The completion and operating 
conditions of all production wells were included in the numerical model. The model was also tuned by history 
matching to obtain a representative simulation. The predicted simulations of this study are discussed in two parts, 
CO2-IGR and CO2 storage phases, to study the economic benefits during injection and after the CO2 storage effect. 
3. Reservoir model and history matching 
The potential site is a Y-gas reservoir, an anticline structure with two sealed faults in a T-formation in the field, 
northwestern Taiwan. The Y-gas reservoir, with a total closure area of 3.8 km2. The average formation thickness of 
the reservoir is 67.0 m. The average porosity and permeability of the gas reservoir are about 10% and 15 md, 
respectively. The Y-gas reservoir is a weak water-drive reservoir, and now is nearly depleted. In the Y-gas reservoir 
(Fig. 1), there were nine production wells (Y-3, Y-4, Y-6, Y-7, Y-12, Y-13, Y-15, Y-16, Y-17). Currently, only the 
Y-6 and Y-7 wells are under operation. 
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Fig. 1. Reservoir simulation model. 
The reservoir fluid sample was collected from the Y-4 well, and analyzed using Constant Composition Expansion 
(CCE) and Constant Volume Depletion (CVD) tests, which yield values for fluid composition and fluid properties 
(relative volume, gas recovery, retrograde condensate volume, and the gas z-factor) that change with pressure. The 
most abundant component was methane (about 71%), and the heaviest component was the heptane plus fraction was 
(about 5.9%). The saturation pressure of the fluid was 7042.2 kPa (4856.7 psi). The maximum liquid out was about 
10%. 
Winprop, commercial phase property software, was used to characterized the reservoir fluid using an equation of 
state (EOS) [14]. The heavy component was split, the pseudo-components were regrouped, and the fluid parameters 
were regressed. Finally, the representative composition was obtained from the adjusted EOS (Fig. 2). In the 
composition simulation of CO2-gas mixtures (Fig. 3), the dew-point pressure of the mixture decreased, and partial 
condensate revaporized from the liquid (oil) phase to the gas phase. The greater the percentage of carbon dioxide 
mixed with natural gas, the smaller the two-phase envelope became in the Pressure-Temperature (P-T) phase 
diagram. 
 
Fig. 2. Phase diagram of reservoir fluid. 
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Fig. 3. Pressure-Temperature envelope change with different CO2-gas mixtures. 
The geological model was divided into 7425 grids (55 u 45 u 3) (Fig. 1). The grid lengths of i and j directions 
were both 100.0 m (328.0 ft). In k direction, the formation was divided into 3 layers based on lithology into 3 layers: 
7.0, 6.7, and 6.7 m (23, 22, and 22 ft), respectively. The grid top was 3107.3-4,383.8 m (10,192-14,379 ft). The 
properties of each grid were as follow: the value of porosity was 0.05-0.12, horizontal permeability was 2-33 md, 
and vertical-horizontal permeability ratio was 1/3. The initial pressure and temperature were 7083.3 kPa (4885 psi) 
(at gas-water contact depth: 3421.0 m [11, 221 ft]) and 72.2qC (267qF). 
To construct a numerical model, the performance (gas, oil, and water production rates and pressures) values of 
each well and reservoir had to be validated and tuned using field data, called history matching, to get the best fit 
between the numerical model and the reservoir performance. In a trusted numerical model from history matching, 
for the Y-13 well for example, the water production rate and pressure achieved the best fitting (Fig. 4 & 5), the 
reservoir average pressure also fit field data (Fig. 6). The estimated original gas in place was about 1.21 u 109 SCM 
(42.7 u 109 SCF). The cumulative gas production from the Y-gas reservoir was 0.91 u 109 SCM (32.0 u 109 SCF) 
with a recovery factor of 0.75. The tuned numerical model was then used to predict the CO2-IGR and to research 
storage performances. 
 
Fig. 4. The Y-13 well oil rate changed with time by history matching. 
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Fig. 5. The Y-13 well water rate changed with time by history matching. 
 
Fig. 6. The history matching result of average pressure. 
4. CO2-IGR and storage results 
Before starting the CO2-IGR phase, a survey of the field condition showed that there were three wells (Y-6, Y-7, 
and Y-13) with surface equipment for operation, and that Y-6 and Y-7 had CO2-IGR potential. Y-6 and Y-13 are 
down-dip wells and Y-7 is an up-dip well. In this study, two injection scenarios were planned. The perforation 
interval of the injection well was in the bottom layer of the formation. Scenario A was injecting a single down-dip 
well (Y-13) and producing with two wells (Y-6 and Y-7). Scenario B was injecting two down-dip wells (Y-6 and Y-
13) and producing with one well (Y-7). The two scenarios had different total injection rate cases (0 (base case), 
10,000, 30,000, 50,000, and 100,000 SCM/D), and the producing well would open the next year for pressure 
transmission. The production constraints were a maximum gas rate of 17,000 SCM/D (600,355 SCF/D), a minimum 
bottom-hole pressure of  4826 kPa (700 psi), and a minimum surface pressure of 1,723 kPa (250 psi). If the above 
conditions were invalid and the producing gas rate was not steady at the minimum gas rate of 10,886 SCM/D 
(384,439 SCF/D) to production, the production injection well would be shut down. The CO2 concentration in 
producing fluid was also monitored and constraint to a concentration of 50 mole% (because too high a CO2 
concentration negatively affects the economic value), the production well would be shut down if the CO2 
concentration was too high. 
The result of scenario A, a single injection well with two production wells, was that the total injection rate was 
30,000 SCM/D (Fig. 7). The simulated injection of CO2 started in 2013. In 2014, the Y-6 well opened. From the 
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beginning, it did not achieve the maximum constant production rate of 17,000 SCM/D (600,355 SCF/D), and instead 
produced at a constant pressure of 4,826 kPa (700 psi). Because the gas production rate was below the minimum gas 
rate constraint, the Y-6 well was shut down in 2021. The Y-7 well continuously produced for 19 years, and stopped 
because it reached the monitoring constraint. In the base case with no CO2 injection (Fig. 8a), the gas and 
condensate recovery was 9.63 u 108 SCM (3.4 u 1010 SCF) and 2.2 u 1006 bbl, and the average reservoir pressure 
was about 6,991 kPa (1,014 psi). In the CO2-IGR case (Fig. 8b), CO2 injection was 30,000 SCM/D, and the gas and 
condensate recovery was 1.05 u 109 SCM (3.7 u 1010 SCF) and 2.3 u 1006 bbl, and the average pressure was 9,521 
kPa (1,381 psi). CO2-IGR significantly improved gas and condensate recovery. 
 
 
Fig. 7. The forecasting of Y-6 and Y-7 well of scenario A (CO2 injection rate: 30,000 SCM/D). 
 
 
Fig. 8. Comparison of two cases in scenario A: (a) with no CO2 injection, (b) with a CO2 injection rate of 30,000 SCM/D. 
The recovery efficiency comparison of scenario A (Table 1), showed the best effect of CO2-IGR is the case with 
a CO2 injection rate of 30,000 SCM/D and improved production of 19 years. The recovery of gas was raised by 
6.29% and of condensate by 2.68%. In scenario B (Table 2), the case with a CO2 injection rate of 10,000 SCM/D, in 
the best effect of CO2-IGR of this scenario, the production was extended for 29 years. The recovery of gas was 
raised by 6.32% and of condensate by 2.54%. Concluded the results of two scenarios with different injection rates, 
although the CO2-IGR made the benefit for recovery but excessive injection rate may result in early CO2 
breakthrough to lower recovery. For example, in scenario B with a 100,000 SCM/D injection rate, the gas recovery 
was negative at the end of the simulation (Table 2). 
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Table 1. Results of different injection rate cases in scenario A. 
Total CO2 
injection rate 
(SCM/D) 
Cumulative gas 
production 
(SCF) 
Gas 
recovery  
factor(%) 
Cumulative 
condensate 
production (BBL) 
Condensate 
recovery 
factor(%) 
Improved 
production 
period (years) 
Cumulative 
CO2 injection 
(SCF) 
0 3.40 u 1010  79.7%  2.21 u 1006  46.6%  7.7  0  
10,000 3.61 u 1010  84.6%  2.30 u 1006  48.3%  19.0  2.58 u 1009  
30,000 3.67 u 1010  86.0%  2.34 u 1006  49.2%  19.1  7.80 u 1009  
50,000 3.59 u 1010  84.1%  2.31 u 1006  48.6%  17.0  1.17 u 1010  
100,000 3.49 u 1010  81.6%  2.28  u 1006  47.8%  13.6  1.89 u 1010  
Table 2. Results of different injection rate cases in scenario B. 
Total CO2 
injection rate 
(SCM/D) 
Cumulative gas 
production 
(SCF) 
Gas 
recovery 
factor(%) 
Cumulative 
condensate 
production (BBL) 
Condensate 
recovery 
factor(%) 
Improved 
production 
period (years) 
Cumulative 
CO2 injection 
(SCF) 
0 3.41 u 1010  79.7%  2.22 u 1006  46.6%  11.2  0  
10,000 3.68 u 1010  86.0%  2.34 u 1006  49.2%  28.9  3.86 u 1009  
30,000 3.58 u 1010  83.7%  2.31 u 1006  48.6%  21.6  8.74 u 1009  
50,000 3.50 u 1010  81.9%  2.28 u 1006  47.9%  17.3  1.19 u 1010  
100,000 3.40 u 1010  79.6%  2.24 u 1006  47.0%  12.0  1.68 u 1010  
In scenario A with a CO2 injection rate of 50,000 SCM/D, for example, the total simulation time was 60 years, 
continuous CO2 injection was 40 years, and then the well was shut down CO2 plume migration was observed for 20 
years. During the CO2 injection period (Fig. 9), injected CO2 displaced residual gas to the Y-6 and Y-7 production 
wells for improved gas recovery. In the post-injection period (Fig. 10), the CO2 plume did not migrate to the top of 
the formation; in fact, it eventually sank to the bottom of the gas cap because of gravity. This meant that injected 
CO2 can be permanently stored in a reservoir. 
 
 
Fig. 9. The distribution of natural gas saturation during the CO2 injection period. 
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Fig. 10. The distribution of natural gas saturation during the CO2 post-injection period. 
5. Economic analysis 
An economic assessment model was developed to evaluate the profit from CO2-IGR combined with CO2 storage. 
The best economic case was defined based on a net present value (NPV) calculation. Relative economic parameters 
(Table 3) were used to calculate the revenue of each case. 
The economic analysis of the scenario A (Table 4), the best economic case was with injection rate of 30,000 
SCM/D as CO2 price with US $50 per ton, the final cumulative NPV was US $18.7 million. If CO2 priced raised to 
US $66.7 per ton, the best economic case was with the lower injection rate of 10,000 SCM/D, the final cumulative 
NPV was US $17.5 million with the discount rate of 10%. As the injection rate increased, economic effect of the 
CO2-IGR decreased. On the other hand, the economic analysis of the scenario B (Table 4), however which CO2 
price, the best economic case was the same case which with the lower injection rate of 10,000 SCM/D, the final 
cumulative NPV respectively were US $13.6 and $12.8 million with the discount rate of 10%. Similarly, the 
excessive injection rate was not economic. It appeared that the CO2 cost affected the performance of CO2-IGR, and 
the CO2 sources/price would be the first consideration for CO2-IGR. 
Table 3. Parameters of economic analysis. [15] 
Well cost 
CO2 injection well 
(US $Million/well) 
Operating cost 
Fixed cost 
(US $Million/year) 
Variable cost 
(US$/ton) 
Repair 
payment 
Installment 
payment CO2 tank hired 
Monitoring 
cost CO2 
Operating 
cost 
0.033 0.033 0.060 0.133 50/66.6 0.067 
Gas and oil price and operating cost 
Gas and oil price                                   Operating cost Tax and others 
Natural gas 
(US$/SCM) 
Oil 
(US$/KL) 
Fixed 
(US$ Million/year) 
Variable 
(US$/SCM) 
Royalties 
(US$/SCM) 
Business 
tax (%) 
Discount 
rate (%) 
0.42 800 0.067 0.073 0.026 25 10 
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Table 4. Economic analysis of different injection rates of two scenarios 
CO2 injection 
rate (SCM/D) 
Scenario A Scenario B 
CO2 price˖ 
US $50/ton 
CO2 price˖ 
US $66.7/ton 
CO2 price˖ 
US $50/ton 
CO2 price˖ 
US $66.7/ton 
Final NPV 
(US $Million) 
Final NPV 
(US $Million) 
Final NPV 
(US $Million) 
Final NPV 
(US $Million) 
0 14.41 14.41 12.14 12.14 
10,000 18.23 17.48 13.64 12.79 
30,000 18.71 16.45 11.59 6.38 
50,000 11.71 8.08 8.74 0.05 
100,000 -2.14 -10.04 -6.54 -12.89 
US$: US dollars; NPV: net present value. 
6. Conclusions 
The major results and conclusions from this study are: 
1) In the CO2-IGR phase, we found that the two-phase envelope shrank in the P-T phase diagram after the CO2 
mixed with the natural gas in the reservoir. The mechanisms of CO2 displacement and condensate revaporization 
contributed to the gas and condensate recovery. 
2) In the CO2 storage phase, the stored CO2 sank to the bottom of the gas cap because of gravity; consequently, 
the injected CO2 can be stored permanently. 
3) The best economic scenario for this case study, for which the highest NPV was US $18.7 million, was to use 
one down-dip injection well with an injection rate of 30,000 SCM/day at a discount rate of 10%. 
4) The analysis of the principal components of the economic assessment showed that the benefit of CO2-IGR was 
highly sensitive to the cost of CO2 capture, and that the carbon tax incentive has a positive effect on the economic 
benefit of CCUS. 
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